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Abstract: CO₂ flooding can simultaneously enhance oil recovery and enable geological carbon
storage. This study develops a tNavigator-based coupled wellbore-reservoir CO₂ flooding
model to examine tubing-head-to-downhole pressure conversion and early gas breakthrough
through a high-permeability channel. A three-dimensional isothermal compositional model
represents reservoir flow, while vertical flow performance (VFP) tables constructed using
the Beggs-Brill correlation describe wellbore multiphase flow and pressure conversion. The
coupled VFP relationships, well flow equations, and reservoir mass-conservation equations
are solved using the adaptive implicit method (AIM) implemented in tNavigator, enabling
bidirectional interactions among wellbore pressure variation, downhole boundary conditions,
and reservoir dynamic parameters. A continuous high-permeability channel between injectors
and producers is incorporated to characterize reservoir heterogeneity. Simulations under
fixed injection rate and fixed tubing-head pressure conditions are conducted to analyze
the influences of injection and production rates, porosity and streak permeability on CO₂
migration and flooding performance. The results show that injection and liquid production
rates dominate the inter-well pressure difference and control gas breakthrough. Reservoir
porosity primarily governs reservoir storage and pressure buffering capacity, while streak
permeability determines CO₂ preferential migration velocity. Under tubing-head pressure
constraints, actual injection and production performances are co-regulated by tubing-head
pressure limits, wellbore pressure loss and reservoir injectivity/deliverability. The proposed
model provides a numerical framework for investigating wellbore-reservoir interactions and
gas-channeling risks in heterogeneous reservoirs with high-permeability channels. Quantitative
validation against field measurements or controlled experimental data will be undertaken in
future work.

Keywords: CO₂ flooding; wellbore-reservoir coupling; tNavigator; high-permeability
channel; VFP table

1. Introduction

Driven by the growing demand for carbon emission reduction and the continued
implementation of China’s “dual-carbon” strategy, carbon capture, utilization, and
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storage (CCUS) has become a key technological pathway for the low-carbon transition
of the petroleum industry. The Intergovernmental Panel on Climate Change (IPCC) [1]
systematically summarized the major technical routes for CO₂ capture, transportation,
and geological storage, highlighting that injecting captured CO₂ into suitable subsurface
formations is an effective approach for mitigating greenhouse gas emissions. Bachu [2]
further evaluated the storage mechanisms, technical requirements, and implementation
challenges of CO₂ sequestration in deep saline aquifers, depleted oil and gas reservoirs,
and producing reservoirs, demonstrating the substantial geological storage potential
of subsurface formations. In petroleum reservoir development, Godec et al. [3]
investigated the application of anthropogenic CO₂ for enhanced oil recovery (EOR) and
geological storage, showing that CO₂-EOR can simultaneously increase oil production
while permanently retaining a portion of the injected CO₂ underground. Núñez-López
and Moskal [4] also pointed out that CO₂-EOR provides considerable engineering
potential for achieving both enhanced hydrocarbon recovery and carbon emission
reduction. Recent studies have shown that shale-oil adsorption and pore plugging,
water-injection well patterns, pore-scale CO₂–oil miscible flow, and gas-channeling
control all strongly affect fluid transport and sweep efficiency in unconventional
reservoirs [5–8]. Numerical formulations for heterogeneous and fractured reservoir
flow have likewise continued to develop [9, 10]. Sheng [11] demonstrated that gas
injection possesses superior injectivity and diffusion capability in low-permeability
formations. Song et al. [12] comprehensively reviewed CO₂-EOR applications in
tight oil reservoirs in North America and China, concluding that CO₂ improves oil
mobility through diffusion, dissolution, oil swelling, and viscosity reduction, making it
particularly suitable for tight and highly heterogeneous reservoirs. Earlier, Holm and
Josendal [13] systematically investigated the mechanisms of CO₂ flooding, including
oil dissolution, swelling, viscosity reduction, and light-hydrocarbon extraction, and
demonstrated that CO₂ injection can effectively improve crude-oil properties and
enhance displacement efficiency. Consequently, CO₂ flooding not only provides an
effective means of sustaining oil production during the late development stage of
reservoirs but also offers a practical pathway for permanent geological storage of
captured CO₂, thereby simultaneously improving oil recovery and contributing to
carbon emission mitigation.

Considerable efforts have been devoted to understanding the mechanisms of CO₂
flooding and developing compositional reservoir simulation methods. Stalkup [14]
systematically established the fundamental theory of miscible gas flooding and the
associated mass-transfer mechanisms between injected gas and crude oil, demonstrating
that miscible or near-miscible displacement can be achieved through multiple-contact
processes under appropriate pressure and fluid-composition conditions. Orr [15]
further elucidated the formation mechanisms of miscibility during gas injection from
the perspectives of phase behavior and multicomponent mass transfer. Kumar et
al. [16] comprehensively reviewed the fundamental mechanisms and recent advances
in CO₂ miscible flooding for enhanced oil recovery, concluding that CO₂ improves
displacement efficiency by promoting oil swelling, reducing oil viscosity and interfacial
tension, and extracting light hydrocarbons. Recent studies have further clarified the
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multiscale mechanisms controlling CO₂ displacement in low-permeability reservoirs.
Wang et al. [17] analyzed the sensitivity of CO₂ miscible flooding to oil viscosity,
permeability, permeability contrast, and pressure, and identified the dominant recovery
mechanisms under different reservoir conditions. Ren et al. [18] combined nuclear
magnetic resonance experiments with the volume-of-fluid method to compare miscible
and immiscible CO₂ flooding, revealing distinct pore-scale displacement patterns and
viscous fingering behavior. Song et al. [19] employed a phase-field model to
investigate the effects of key pore-scale parameters on CO₂–oil two-phase flow and
displacement efficiency. Chi et al. [20] developed a numerical model for CO₂
immiscible flooding in ultra-low-permeability reservoirs by incorporating crude-oil
viscosity variation and the starting pressure gradient. These studies provide a multiscale
basis for interpreting CO₂ transport, phase redistribution, and displacement behavior in
heterogeneous reservoirs. Owing to the complex multiphase flow and phase behavior
involving CO₂ and hydrocarbon components during the flooding process, compositional
reservoir simulation has become an essential tool for accurately describing component
transport and phase transitions [21,22]. The Peng-Robinson equation of state proposed
by Peng and Robinson [23] provides the theoretical foundation for predicting phase
equilibrium, fluid density, and thermophysical properties of CO₂–hydrocarbon systems.
Based on the equation-of-state formulation, Coats [24] developed a compositional
reservoir simulation model capable of describing component partitioning and phase
behavior in oil–gas systems. Nghiem et al. [25] further extended equation-of-state
compositional simulation to model phase equilibrium and dynamic reservoir responses
in multicomponent systems. Young and Stephenson [26] subsequently proposed a
generalized compositional reservoir simulation framework, providing a numerical basis
for predicting component transport, pressure propagation, and gas breakthrough during
complex gas-injection processes.

Wellbore multiphase flow and wellbore-reservoir coupling have also received
considerable attention in CO₂ flooding studies, as tubing-head pressure conditions must
be translated into the actual bottom-hole injection and production boundaries through
wellbore flow. Beggs and Brill [27] developed the classical multiphase flow correlation
based on gas–liquid flow experiments in inclined pipes, in which flow pattern, liquid
holdup, gravitational pressure loss, and frictional pressure loss are comprehensively
considered. Hasan et al. [28] developed an integrated wellbore-reservoir simulation
approach and demonstrated that wellbore pressure losses modify the bottom-hole
flowing pressure, thereby influencing reservoir production performance. Da Silva and
Jansen [29] reviewed dynamic wellbore-reservoir coupling methods and pointed out
that the pressure and flow-rate interactions between the wellbore and the reservoir
constitute a critical component of production forecasting for complex oil and gas
reservoirs. Peng et al. [30] further summarized recent developments in dynamic
wellbore-reservoir coupling under two-phase flow conditions and concluded that
coupled simulation improves the prediction accuracy of bottom-hole pressure, well
flow rate, and reservoir dynamic behavior. Focusing on CO₂ injection, Abdelaal
and Zeidouni [31] established a coupled wellbore-reservoir model for multilayer
geological storage formations to evaluate the effects of wellbore pressure losses and
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formation-property variations on the distribution of CO₂ injection among different
layers. Zamani et al. [32] developed a coupled wellbore-aquifer model that
simultaneously describes pressure evolution, temperature variation, and near-wellbore
dry-out during CO₂ injection, demonstrating the importance of consistent information
exchange between the wellbore and the formation. Tavagh Mohammadi et al. [33]
systematically reviewed transient wellbore-reservoir coupling approaches for CO₂
injection and emphasized that wellbore dynamics and reservoir injectivity should be
evaluated within an integrated simulation framework. Although these studies mainly
focus on geological storage formations, their coupling principles are directly relevant to
the conversion of tubing-head pressure constraints into dynamic bottom-hole boundary
conditions in CO₂ flooding simulations.

Reservoir heterogeneity is another key factor affecting CO₂ migration and gas
breakthrough during CO₂ flooding. Koval [34] demonstrated that mobility contrast
and reservoir heterogeneity promote viscous fingering and non-uniform displacement
during unstable miscible flooding in heterogeneous porous media. Luo et al. [35]
investigated the influence of reservoir heterogeneity on CO₂ flooding performance
in tight oil reservoirs and reported that permeability variations significantly alter
the morphology of the CO₂ displacement front, sweep efficiency, and breakthrough
time. Khan and Mandal [36] analyzed the effects of permeability contrast on
water-alternating-gas (WAG) flooding in highly stratified heterogeneous reservoirs
and found that high-permeability zones readily develop preferential flow channels,
thereby accelerating gas migration toward production wells while reducing sweep
efficiency in low-permeability regions. Li et al. [37] established a mathematical
model to characterize the CO₂ front and miscible-zone front and to quantitatively
identify the onset of gas channeling, providing a basis for evaluating CO₂ breakthrough
in low-permeability reservoirs. Zhang et al. [38] combined laboratory experiments
with numerical simulation to optimize balanced CO₂ displacement in a multilayer
low-permeability reservoir, showing that coordinated injection and production can
delay gas channeling and improve interlayer displacement uniformity. Li et al. [39]
investigated the Daqingzijing Block in the Jilin Oilfield and demonstrated that the
non-uniform distribution of permeability significantly affects CO₂ migration, oil
recovery, and storage performance. Zhang et al. [40] systematically reviewed CO₂
front propagation and sweep characteristics and identified premature fingering and
gas channeling as major limitations on sweep efficiency. These findings further
support the introduction of a continuous high-permeability channel in the present model
to investigate preferential CO₂ migration, non-uniform displacement, and early gas
breakthrough.

In summary, substantial progress has been made in understanding the mechanisms
of CO₂ flooding, compositional reservoir simulation, wellbore multiphase flow,
wellbore-reservoir coupling, and the effects of reservoir heterogeneity. However, for
compositional multiphase CO₂ flooding in reservoirs containing high-permeability
channels, the coupled interactions among tubing-head pressure constraints, wellbore
pressure losses, dynamic bottom-hole boundary conditions, and CO₂ migration within
the reservoir have not yet been fully understood. To address this issue, this study
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develops a coupled wellbore-reservoir simulation model for CO₂ flooding using the
tNavigator platform. A continuous high-permeability channel is introduced along
the line connecting the injection and production wells, and coupled simulations are
conducted under both fixed-rate and fixed tubing-head-pressure operating conditions.
Furthermore, sensitivity analyses are performed on the CO₂ injection rate, liquid
production rate, reservoir porosity, and streak permeability to investigate their
effects on bottom-hole flowing pressure, CO₂-front propagation, gas breakthrough,
and gas channeling behavior. The proposed model provides a numerical basis for
optimizing injection–production strategies and evaluating reservoir performance
and gas-channeling risks in reservoirs containing high-permeability channels. The
present study is designed as a mechanistic numerical investigation rather than a
field-history-matched case study. Accordingly, its primary objective is to identify
wellbore-reservoir coupled response mechanisms and parameter sensitivities under
controlled numerical conditions. Quantitative validation using measured tubing-head
and bottom-hole pressures, injection and production histories, fluid-composition data,
and gas-breakthrough information will be conducted in future work.

2. Mathematical model and simulation methods

This section presents the theoretical formulation and numerical implementation of
the coupled wellbore-reservoir model for CO₂ flooding. First, the governing equations
and phase-behavior constraints for compositional multiphase flow in the reservoir are
established. The governing equations are then discretized using the finite volume
method. Subsequently, the coupling relationship between wellbore flow and reservoir
flow is formulated. Finally, the implementation procedure of the proposed model in
the tNavigator simulator is described.

2.1. CO₂ flooding reservoir mathematical model based on tNavigator
Under isothermal compositional multiphase flow conditions, the molar

conservation equation for each component i in porous media can be written as:

∂

∂t
(ϕNi) +∇ ·

∑
α=O,W,G

xiαξαuα = qi, i = 1, 2, . . . , Nc (1)

where ϕ is the porosity, Ni is the total molar density of component i, α denotes the
oil, water, and gas phases, xiα is the mole fraction of component i in phase α, ξα is
the molar density of phase α, uα is the phase velocity, qi is the source/sink term of
component i, and Nc is the total number of components. The flow of each phase is
governed by Darcy’s law:

uα = −Kkrα
µα

(∇pα − ραg∇D) (2)

where K is the absolute permeability tensor, krα is the relative permeability, µα is the
phase viscosity, pα is the phase pressure, pα is the phase density, g is the gravitational
acceleration, and D is the depth.
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The Peng–Robinson (PR) equation of state (EOS) is employed to describe the
phase behavior of the CO₂–hydrocarbon system. The PR EOS is a cubic equation of
state and is expressed as:

p =
RT

v − b
− a

v2 + 2bv − b2
(3)

where R is the universal gas constant, T is the absolute temperature, v is the molar
volume, a and b are the mixture parameters, and Ωa0 and Ωb0 are the constants of the
Peng–Robinson equation of state. Formulticomponent systems, themixture parameters
a and b are calculated from the component mole fractions and binary interaction
coefficients. In the PR equation of state, Ωa0 = 0.457235529 and Ωb0 = 0.077796074.
The PR equation of state is used to calculate the phase equilibrium, phase densities, and
fluid properties of the CO₂–crude oil system under different pressure and compositional
conditions. In addition, the model satisfies the capillary-pressure relationships and
saturation constraints:

Pc,GO = pg − po, Pc,OW = po − pw, So + Sw + Sg = 1, (4)

where SO, SW , and SG denote the oil-, water-, and gas-phase saturations, respectively;
and Pc,GO and Pc,OW represent the gas–oil and oil–water capillary pressures,
respectively.

2.2. Finite volume spatial discretization of governing equations
According to the tNavigator UserManual, the simulator employs the finite volume

method (FVM) on a block-centered grid for spatial discretization, while the coefficients
associated with phase saturation are evaluated using the standard upstream weighting
scheme. Following this discretization procedure, the component conservation equation
given by Equation (1) is integrated over grid cell m, and the divergence term is
transformed into the summation of component fluxes across all cell faces, yielding:

d

dt
[Vm (ϕNi)m] +

∑
f∈∂Ωm

∑
α=O,W,G

Af (xiαξαuα)f · nf = Vmqi,m (5)

where Ωm is the m-th control volume, Vm = |Ωm| is its volume, f ∈ ∂Ωm denotes
a cell face of the control volume, Af and nf are the face area and the outward unit
normal vector, respectively, and qi,m is the average source/sink term of component
i within grid cell. The resulting semi-discrete equations are advanced in time and
solved together with the equation of state, the capillary-pressure relationships, and the
saturation constraints, leading to a nonlinear system of equations at each time step:

F (p,N1, . . . , NNc) = 0 (6)

2.3. Wellbore-reservoir coupling
At each time step, the coupled VFP relationships, well connection flow equations,

and reservoir component-conservation equations were solved using the adaptive implicit
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method implemented in tNavigator. The default convergence and iteration-control
settings of tNavigator 25.1, as summarized in Table 1, were adopted. A time step was
accepted when the nonlinear convergence and component material-balance criteria were
satisfied within the prescribed iteration limits. If these criteria were not satisfied or the
Newton convergence rate became too low, the current step was rejected and recalculated
using an automatically reduced time step.

Table 1. Convergence and iteration-control parameters for the coupled wellbore–reservoir
solution.

Parameter Definition Value

TOLNEWT Convergence tolerance for the nonlinear residual norm 1.0 × 10−3

TOLVARNEWT Convergence tolerance for the maximum variation of primary variables 1.0 × 10−3

MBERRCTRL Control tolerance for the component material-balance error 1.0 × 10−5

MAXNEWTIT Maximum number of Newton iterations per time step 100
MAXWELLIT Maximum number of well iterations per well 8

THPWELLPARAMTOL Convergence tolerance for converting tubing-head pressure to bottom-hole flowing pressure 1.0 × 10−3

Initial internal time step Initial internal time-step size used by the simulator 0.1 d
Minimum internal time step Minimum allowable internal time-step size 0.001 d

On the wellbore side, the Beggs-Brill multiphase flow correlation is employed
to calculate the gravitational, frictional, and acceleration pressure losses. The
relationships among the tubing-head pressure, bottom-hole flowing pressure, well flow
rate, and wellstream properties are represented using vertical flow performance (VFP)
tables. The wellbore and reservoir models are coupled through the bottom-hole flowing
pressure and well source/sink terms. For a given bottom-hole flowing pressure, the
reservoir model calculates the phase flow rates and component flow rates in each
perforated grid cell using the well connection flow equation, after which the wellbore
model updates the wellbore pressure losses and bottom-hole flowing pressure according
to the well flow rate and fluid composition.

2.4. Simulation implementation workflow
Three simulation cases were established based on the tNavigator numerical

simulation platform. The implementation workflow consisted of geological model
construction, fluid and rock property definition, development strategy specification,
coupled simulation, and result analysis. First, a three-dimensional Cartesian grid
model was constructed, and the effective reservoir intervals were defined to provide
the spatial discretization framework for subsequent flow simulations. Reservoir
properties, including porosity, permeability, initial pressure, and initial oil saturation,
were then assigned to each reservoir layer. In the fluid model, CO₂ and hydrocarbon
components were defined as the primary components of the compositional model.
The Peng-Robinson equation of state was employed to describe fluid phase behavior,
while the Lohrenz-Bray-Clark viscosity correlation was used to calculate fluid viscosity.
Subsequently, oil–water and gas–oil relative permeability curves were incorporated to
characterize the flow behavior of each fluid phase in porous media during CO₂ injection.
Subsequently, the injection and production wells were incorporated into the model, and
their perforated intervals were specified. Separate VFP tables were constructed for
the injection and production wells according to the corresponding wellstream fluids.
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Finally, the well operating-control modes were specified, and the coupled simulation
was performed.

To evaluate CO₂ storage performance, the cumulative stored amount of CO₂ was
calculated from the difference between cumulative CO₂ injection and cumulative CO₂
production:

Msto = Minj −Mprod (7)

The CO₂ storage efficiency was defined as:

ηsto =
Msto

Minj
× 100%

WhereMinj,Mprod, andMsto denote the cumulative injected, produced, and stored
amounts of CO₂, respectively.

3. Case 1: Establishment and design of the base model

3.1. Reservoir model
A three-dimensional Cartesian grid was adopted to represent the reservoir domain

in this case. The reservoir model has dimensions of 200 m × 200 m × 20 m, with
a grid spacing of 10 m in both horizontal directions. Vertically, the reservoir is
divided into three layers: Layer 1 extends from 1,000 m to 1,010 m, Layer 2 from
1,010 m to 1,015 m, and Layer 3 from 1,015 m to 1,020 m. The total simulation
period is 1,880 days, which is divided into 188 time steps with an interval of 10
days. An injection well is located at (5, 5), and a production well is located at
(195, 195). Both wells are vertical wells operated under fixed-rate control. The
injection well is assigned a constant CO₂ injection rate of 5,000 sm3/day using pure
CO₂, while the production well is operated at a constant liquid production rate of 30
sm3/day. Isotropic permeability is assumed at the grid scale, with each grid block
satisfying Kx = Ky = Kz. However, the reservoir exhibits spatially heterogeneous
permeability, with different permeability values assigned to different layers. In
addition, a high-permeability channel penetrating all three layers is introduced between
the injection and production wells. The permeability of the grid blocks within the
channel is ten times that of the surrounding reservoir. The channel was introduced
as an idealized representation of a vertically connected preferential-flow pathway,
which may be associated with fracture corridors, connected channelized sand bodies, or
preferential pathways enhanced by previous water flooding. Its straight geometry and
continuity across all three layers do not represent a specific field-scale geological body,
but were adopted to isolate the influence of channel connectivity and permeability on
the wellbore-reservoir response. Consequently, the model may overestimate interlayer
connectivity, directional CO₂ migration, and the severity of gas channeling. The
corresponding results should therefore be interpreted as an upper-bound assessment of
the effects of a highly connected preferential-flow pathway. The reservoir grid model
and the high-permeability channel are illustrated in Figure 1, and the key parameters
of this case are summarized in Table 2.
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(a) 2D grid model view of case 1. (b) 3D grid model view of case 1.

Figure 1. Geological model view of case 1.

Table 2. Core reservoir and wellbore parameters of case 1.

Parameter Value Parameter Value

Layer 1 permeability 50 mD Layer 1 porosity 0.18
Layer 2 permeability 65 mD Layer 2 porosity 0.20
Layer 3 permeability 35 mD Layer 3 porosity 0.22
Rock compressibility 1 × 10−6 bar⁻1 Reference pressure 150 bar
Tubing inner diameter 0.062 m Skin factor 2
Wellbore temperature 100 ℃ Reservoir temperature 100 ℃

Initial pressure 170 bar Initial water saturation 0.20

3.2. Fluid model
A pseudo-component approach was adopted to construct the fluid compositional

model. Table 3 presents the pseudo-component classification and the initial molar
composition of the reservoir fluid. The compositional system and the initial fluid
composition were used as the unified fluid model for all simulation cases. In the
sensitivity analyses, only the corresponding engineering or reservoir parameters were
varied, whereas the initial reservoir fluid composition remained unchanged. The initial
reservoir CO₂ mole fraction was 0, whereas the injected gas was pure CO₂ with a CO₂
mole fraction of 1. Figure 2 shows the relative permeability curves adopted in this
study. The connate-water saturation indicated by the relative permeability curves is
0.20, consistent with the initial water saturation specified in Table 2.

Table 3. Component classification and initial molar composition of reservoir fluids in each
case.

Component Mole fraction (∑ = 1)

CO₂ 0
C1 0.05

C2–C5 0.1
C6–C10 0.3
C11–C15 0.35
C16+ 0.2

As shown in Table 4, the critical properties of the pseudo-components adopted
in the compositional model include molecular weight, critical temperature, critical
pressure, acentric factor, and critical molar volume.
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(a) Oil–water relative permeability curves. (b) Oil–gas relative permeability curves.

Figure 2. Fluid relative permeability curves.

Table 4. Critical properties of the pseudo-components.

Component
Molecular weight

(kg/kmol)
Critical temperature

(K)
Critical pressure (bar) Acentric factor

Critical molar volume
(m3/kmol)

CO₂ 44.01 304.2 73.8 0.225 0.094
C1 16.04 190.6 46 0.012 0.099

C2–C5 50 380 38 0.15 0.2
C6–C10 110 550 30 0.3 0.4
C11–C15 180 680 20 0.5 0.65
C16+ 300 800 12 0.8 1.1

The binary interaction coefficients among the pseudo-components used in the
Peng–Robinson equation-of-state calculations are listed in Table 5. The binary
interaction coefficient matrix is symmetric, and all diagonal entries are zero.

Table 5. Binary interaction coefficients of the pseudo-components.

Component CO₂ C1 C2–C5 C6–C10 C11–C15 C16+

CO₂ 0 0.105 0.13 0.115 0.115 0.115
C1 0.105 0 0 0.03 0.04 0.05

C2–C5 0.13 0 0 0 0 0
C6–C10 0.115 0.03 0 0 0 0
C11–C15 0.115 0.04 0 0 0 0
C16+ 0.115 0.05 0 0 0 0

3.3. Wellbore model
The perforated interval of the injection well extends from 1,015 m to 1,020 m,

whereas the production well is perforated over the interval from 1,000 m to 1,020 m.
Figure 3 illustrates the wellbore configuration of the production well. Separate VFP
tables were constructed for the injection and production wells at a reference vertical
depth of 1,000 m. As shown in Figure 4, the injection-well VFP table uses tubing-head
pressure (THP) and gas injection rate (FLO) as independent variables, with ranges of
3.7–400 bar and 100–60,000 sm3/day, respectively. The production-well VFP table
uses THP, liquid production rate (FLO), water cut (WCT), and gas–oil ratio (GOR) as
independent variables, with ranges of 4–500 bar, 0.4–500 sm3/day, 0–0.8, and 0–5,000
sm3/sm3, respectively.
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Figure 3. Wellbore structure model of the production well in Case 1.

The default tNavigator settings, VFPTABL = 1 and WVFPEXP = IMP,
were adopted. Accordingly, bottom-hole flowing pressure was calculated by
linear interpolation along each active VFP-table dimension. For the injection well,
interpolation was performed with respect to gas injection rate and tubing-head pressure.
For the production well, interpolation was performed with respect to liquid production
rate, tubing-head pressure, water cut, and gas–oil ratio, using the latest water-cut and
gas–oil-ratio values from the current nonlinear iteration. The artificial-lift variable
was fixed at zero and therefore did not constitute an active interpolation dimension.

(a) Injection well.

Figure 4. Cont.
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(b) Production well.

Figure 4. Sampling points used to construct the VFP tables.

4. Case 2: Sensitivity analysis of key parameters

Based on Case 1, a sensitivity analysis was conducted on four parameters, namely
the CO₂ injection rate, liquid production rate, reservoir porosity, and streak permeability.
The sensitivity analysis schemes considered in Case 2 are summarized in Table 6.

Table 6. Sensitivity analysis schemes of parameters based on the base model.

Parameter Base value Sensitivity variation level Analysis parameters

CO₂ injection rate (sm3/day) 5,000 8,000, 10,000 Bottom-hole flowing pressure of the injection well;
Gas production rate of the production well;
Gas saturation distribution in the first reservoir layer.

Liquid production rate (sm3/day) 30 20, 40 Bottom-hole flowing pressure of the production well;
Gas production rate of the production well;
Gas saturation distribution in the first reservoir layer.

Porosity Layer 1: 0.18
Layer 2: 0.20
Layer 3: 0.22

Layer 1: 0.144, 0.216
Layer 2: 0.160, 0.240
Layer 3: 0.176, 0.264

Current oil in place;
Bottom-hole flowing pressure of the production well;
Gas saturation distribution in the first reservoir layer.

Streak permeability (mD) Layer 1: 500
Layer 2: 650
Layer 3: 350

Layer 1: 250, 1,000
Layer 2: 325, 1,300
Layer 3: 175, 700

Bottom-hole flowing pressure of the injection well;
Gas production rate of the production well;
Gas saturation distribution in the first reservoir layer.

4.1. Sensitivity analysis of CO₂ injection rate
Based on Case 1, Case 2 was simulated under two constant CO₂ injection rates

of 8,000 sm3/day and 10,000 sm3/day, respectively. The production well was operated
at a constant liquid production rate of 30 sm3/day, while all other model parameters
remained identical to those of Case 1.

Figure 5 shows the injection-well bottom-hole flowing pressure under different
CO₂ injection rates. At 5,000 sm3/day, the pressure decreased rapidly initially
and more gradually after approximately 200 days, indicating sufficient reservoir
injectivity and a relatively low pressure requirement for maintaining the prescribed
rate. When the injection rate was increased to 8,000 sm3/day, the bottom-hole flowing
pressure remained significantly higher than that of the base case throughout most
of the simulation and began to decrease gradually after approximately 1,200 days
of production. With a further increase in the injection rate to 10,000 sm3/day, the
bottom-hole flowing pressure reached the highest level and started to decline after

12



Advances in Differential Equations and Control Processes 2026, 33(3), 4667.

peaking at approximately 1,000 days. These results indicate that, under constant-rate
injection control, a higher CO₂ injection rate requires a higher bottom-hole flowing
pressure to overcome the reservoir flow resistance and sustain the prescribed injection
rate. The subsequent decline in bottom-hole flowing pressure indicates that, as CO₂
progressively migrated through the reservoir, preferential flow channels were gradually
established, resulting in enhanced reservoir injectivity and a lower bottom-hole flowing
pressure required to maintain the same injection rate. This pressure plateau followed by
a decline is broadly consistent with Wang et al. [17], who identified injection pressure
and permeability contrast as important controls on CO₂ miscible-flooding behavior; in
the present model, the plateau represents the pressure required to maintain the imposed
rate before the connected high-permeability pathway improves injectivity.

Figure 5. Bottom-hole flowing pressure curves of the injection well under different CO₂
injection rate scenarios.

Figure 6 presents the variation in the gas production rate of the production well
under different CO₂ injection rates. As shown in Figure 6, the gas production rate
remained at a relatively low level during the early production stage for all injection
scenarios and began to increase significantly after approximately 900 days, indicating
that the injected CO₂ front had gradually reached the vicinity of the production well.
Under the injection rate of 5,000 sm3/day, the gas production rate increased relatively
slowly and remained the lowest during the late production stage. As the CO₂ injection
rate increased, both the gas production rate and its growth rate during the late production
stage became progressively higher. These results indicate that, under the same liquid
production rate, increasing the CO₂ injection rate enhances the displacement capacity
of the injected gas within the reservoir, allowing CO₂ to migrate more readily along the
high-permeability channel, thereby increasing the degree of gas breakthrough and the
risk of gas channeling at the production well.

Figures 7 and 8 present the gas saturation and oil-phase CO₂ mole-fraction
(XMFCO₂) distributions, respectively, in the first reservoir layer under different CO₂
injection rates. At 1,200 days, the free-gas region under 5,000 sm3/day had advanced
along the injection–production direction, whereas the corresponding regions under
8,000 sm3/day and 10,000 sm3/day remained more concentrated near the injection
well. By 1,880 days, the free-gas front had reached the production well in all
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cases, with stronger near-well accumulation at higher injection rates. In contrast, the
XMFCO₂ fields show that, within the oil-containing region, values were predominantly
approximately 0.37–0.55 in the 5,000 sm3/day case, whereas extensive regions with
values of approximately 0.55–0.74 developed in the 8,000 sm3/day and 10,000 sm3/day
cases. This comparison demonstrates that increasing the injection rate enhances CO₂
enrichment in the oil phase, although the free-gas phase in the first layer does not expand
proportionally. Because XMFCO₂ is an oil-phase composition variable rather than a
measure of the phase-specific CO₂ inventory, the gas-saturation and XMFCO₂ fields are
interpreted jointly to distinguish the spatial responses of free-gas and oil-dissolved CO₂.

Figure 6. Gas production rate curves of the production well under different CO₂ injection rate
scenarios.

(a) 5,000 sm3/day, 1,200 d. (b) 5,000 sm3/day, 1,880 d.

(c) 8,000 sm3/day, 1,200 d. (d) 8,000 sm3/day, 1,880 d.

Figure 7. Cont.
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(e) 10,000 sm3/day, 1,200 d. (f) 10,000 sm3/day, 1,880 d.

Figure 7. Gas saturation distribution in the first reservoir layer under different CO₂ injection
rate scenarios.

(a) 5,000 sm3/day, 1,200 d. (b) 5,000 sm3/day, 1,880 d.

(c) 8,000 sm3/day, 1,200 d. (d) 8,000 sm3/day, 1,880 d.

(e) 10,000 sm3/day, 1,200 d. (f) 10,000 sm3/day, 1,880 d.

Figure 8. Oil-phase CO₂ mole-fraction (XMFCO₂) distributions in the first reservoir layer
under different CO₂ injection-rate scenarios.
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In summary, the CO₂ injection rate has a significant influence on the wellbore-
reservoir coupled response and CO₂ migration behavior. With the liquid production
rate maintained at 30 sm3/day, increasing the injection rate from 5,000 sm3/day to 8,000
sm3/day and 10,000 sm3/day increased the bottom-hole flowing pressure required to
maintain the prescribed injection rate. Meanwhile, both the gas production rate and its
late-stage growth rate increased with the injection rate. The combined gas-saturation
and XMFCO₂ distributions show that higher injection rates produced stronger local
free-gas accumulation in the first reservoir layer and greater CO₂ enrichment in the
remaining oil phase. Thus, the free-gas phase and oil-dissolved CO₂ exhibited distinct
spatial responses to injection intensity. Overall, increasing the CO₂ injection rate
enhances pressure support and CO₂ transport, but also increases gas production and
the risk of gas channeling at the production well.

4.2. Sensitivity analysis of production well liquid production rate
Based on Case 1, Case 2 was simulated under two constant liquid production rates

of 20 sm3/day and 40 sm3/day, respectively. The injection well was maintained at
a constant CO₂ injection rate of 5000 sm3/day, while all other parameters remained
identical to those of Case 1.

Figure 9 presents the variation in the bottom-hole flowing pressure of the
production well over time under different liquid production rates. As shown in Figure
9, when the liquid production rate was 20 sm3/day, the bottom-hole flowing pressure
of the production well remained stable at approximately 155 bar and decreased slightly
during the late production stage. This indicates that under a relatively low production
intensity, the reservoir fluid supply capacity could adequately meet the production
demand, resulting in weaker pressure depletion around the production well. When the
liquid production rate was increased to 30 sm3/day, the decline in bottom-hole flowing
pressure became significantly greater, indicating that as more fluids were produced,
the formation pressure around the production well decreased more substantially, and
a larger production pressure differential was required to maintain the higher liquid
production rate, thereby causing a further reduction in bottom-hole flowing pressure.
When the liquid production rate was further increased to 40 sm3/day, the bottom-hole
flowing pressure decreased rapidly during the first 200 days of production and
continued to decline thereafter, indicating that pressure depletion around the production
well was significantly intensified under high liquid production conditions. Overall, the
bottom-hole flowing pressure under all three liquid production rate scenarios exhibited
an accelerated decline during the late production stage. This is because as gas migrated
along the channel and reached the production well, the gas content in the production
well increased significantly, resulting in a decrease in the relative permeability of the
liquid phase. Under the constraint of a fixed liquid production rate, the calculated
bottom-hole flowing pressure was therefore further reduced.

Figure 10 shows the production-well gas rate under different liquid production
rates at a fixed CO₂ injection rate of 5,000 sm3/day, with a stronger late-stage increase at
higher liquid rates. When the liquid production rate was 20 sm3/day, the gas production
rate remained at a relatively low level for a long period. Although it increased after
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1,300 days of production, the overall increase was relatively limited, indicating that
under a low liquid production intensity, the production well exerted a weaker driving
effect on gas migration, and the advancement of CO₂ toward the production well was
relatively slow. When the liquid production rate was 30 sm3/day, the gas production rate
began to increase significantly after approximately 900 days of production, reaching a
maximum value of 6 × 103 sm3/day. This indicates that increasing the liquid production
rate enhanced the tendency of gas migration toward the production well. When the
liquid production rate was increased to 40 sm3/day, gas production began rising rapidly
at approximately 600 days and reached approximately 1.5 × 10⁴ sm3/day, indicating that
the stronger production intensity promoted CO₂ migration along the high-permeability
channel and caused earlier gas breakthrough.

Figure 9. Bottom-hole flowing pressure curves of the production well under different liquid
production rate scenarios.

Figure 10. Gas production rate curves of the production well under different liquid production
rate scenarios.

Figure 11 presents the gas saturation distribution in the first reservoir layer under
different liquid production rates. As shown in Figure 11, with increasing liquid
production rate, the distribution range of gas saturation in the first layer gradually
expanded, and the high gas saturation region extended from the vicinity of the injection
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well toward the production well. By comparing the gas saturation distribution at
1,200 days of production, it can be observed that increasing the liquid production
rate significantly enlarged the propagation range of the gas front. At 1,880 days, the
gas-bearing regions of all cases further expanded, among which the case with a liquid
production rate of 40 sm3/day exhibited the widest high gas saturation region.

(a) 20 sm3/day, 1,200 d. (b) 20 sm3/day, 1,880 d.

(c) 30 sm3/day, 1,200 d. (d) 30 sm3/day, 1,880 d.

(e) 40 sm3/day, 1,200 d. (f) 40 sm3/day, 1,880 d.

Figure 11. Gas saturation distribution in the first reservoir layer under different liquid
production rate scenarios.

At a fixed CO₂ injection rate of 5,000 sm3/day, increasing the liquid production
rate from 20 sm3/day to 40 sm3/day reduced the final production-well bottom-hole
flowing pressure from approximately 150 bar to approximately 13 bar, advanced
gas breakthrough from approximately 1,100 days to approximately 700 days, and
increased the final gas production rate from approximately 1.8 × 103 sm3/day to
approximately 1.5 × 10⁴ sm3/day. The gas saturation distribution further indicates that
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the gas front propagated faster and the high gas saturation region between the injection
and production wells became larger under the high liquid production rate scenario,
demonstrating that increasing the production intensity enhanced the pressure-driven
attraction of the production well to CO₂. Therefore, although increasing the liquid
production rate can improve fluid recovery capacity, when the liquid production rate
reaches 40 sm3/day, the excessively low bottom-hole flowing pressure and significantly
earlier gas appearance indicate that the risk of gas channeling increases substantially.

4.3. Sensitivity analysis of porosity
Based on Case 1, two models with porosity values of 0.8 and 1.2 times those

of Case 1 were established in Case 2 for simulation. The CO₂ injection and liquid
production rates were fixed at 5,000 sm3/day and 30 sm3/day, respectively, while all
other parameters remained as in Case 1.

Figure 12 shows current oil in place under different porosity conditions, with
initial values of approximately 94 × 103 sm3, 118 × 103 sm3, and 141 × 103 sm3 for the
low-porosity, base-case, and high-porosity scenarios, respectively. A higher porosity
resulted in a larger reservoir pore volume and higher initial oil in place. After 1,880 days
of production, the current oil in place for the three scenarios decreased to approximately
35 × 103 sm3, 59 × 103 sm3, and 82 × 103 sm3, respectively, with the cumulative
oil consumption being approximately 59 × 103 sm3 for all cases. The three curves
exhibited an approximately linear decline trend, indicating that under constant CO₂
injection rate and liquid production rate conditions, the oil depletion process remained
relatively stable for all scenarios.

Figure 12. Current oil in place under different porosity conditions.

Figure 13 presents the bottom-hole flowing pressure of the production well under
different porosity conditions. As shown in Figure 13, the bottom-hole flowing pressure
decreased rapidly during the early production stage, reaching approximately 116–120
bar at 200 days, after which the decline rate gradually slowed. After 800 days of
production, the bottom-hole flowing pressures of different scenarios gradually diverged.
At the end of production, the bottom-hole flowing pressures of the low-porosity,
base-case, and high-porosity scenarios were approximately 52 bar, 80 bar, and 93
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bar, respectively. The low-porosity scenario exhibited the largest pressure decline,
whereas the high-porosity scenario showed the smallest decline. This indicates that
under the same CO₂ injection rate and liquid production rate conditions, a reduction
in porosity weakens the reservoir storage capacity and pressure-buffering capability,
whereas an increase in porosity enhances the reservoir fluid supply capacity, allowing
the bottom-hole flowing pressure to be maintained at a higher level.

Figure 13. Bottom-hole flowing pressure curves of the production well under different
porosity scenarios.

Figure 14 presents the spatial distribution of gas saturation in the first reservoir
layer for different porosity scenarios at 1,200 days and 1,880 days of production. As the
production time increased, CO₂ continuously migrated from the injection well toward
the production well, and the high gas saturation region gradually expanded. At the
same production time, the 0.8-times porosity scenario exhibited the fastest gas-front
propagation and had already affected the entire layer at 1,880 days. The base-case
model showed the second-fastest propagation, whereas the 1.2-times porosity scenario
still contained relatively obvious unswept regions. This indicates that a decrease in
porosity increases the CO₂ injection intensity corresponding to a unit pore volume,
thereby accelerating CO₂ propagation; whereas an increase in porosity enhances the
reservoir’s gas storage capacity, resulting in relatively slower gas-front propagation.

(a) 0.8 times porosity, 1,200 d. (b) 0.8 times porosity, 1,880 d.

Figure 14. Cont.
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(c) Base case model, 1,200 d. (d) Base case model, 1,880 d.

(e) 1.2 times porosity, 1,200 d. (f) 1.2 times porosity, 1,880 d.

Figure 14. Gas saturation distribution in the first reservoir layer under different porosity
scenarios.

A comprehensive analysis indicates that porosity has a significant influence on oil
in place, pressure variation, and CO₂ migration. When the porosity increased from 0.8
times the base value to 1.2 times the base value, the initial oil in place increased from
approximately 94 × 103 sm3 to 141 × 103 sm3, and the bottom-hole flowing pressure
of the production well at the end of production increased from approximately 52 bar
to 93 bar. Meanwhile, increasing porosity slowed the propagation of the CO₂ front,
which was beneficial for extending the gas breakthrough time. Overall, higher porosity
enhanced the reservoir storage capacity and pressure-buffering capability, improved
production stability, and reduced the risk of premature CO₂ breakthrough.

4.4. Sensitivity analysis of streak permeability multiplier
Based on Case 1, twomodels were established in Case 2, in which the permeability

of the grid blocks within the high-permeability channel was set to 5 and 20 times
that of the grid blocks outside the high-permeability channel, respectively, for coupled
simulations. The injection well was maintained at a constant CO₂ injection rate of
5,000 sm3/day, and the production well was operated at a constant liquid production
rate of 30 sm3/day. All other parameters remained identical to those of Case 1. In this
study, streak permeability denotes the permeability assigned to the grid blocks within
the continuous high-permeability channel and corresponds to “Streak Permeability” in
the simulation-output figures.

Figure 15 shows similar injection-well bottom-hole flowing pressure trends across
all streak-permeability scenarios during the first 800 days, followed by gradually
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increasing differences. At 1,880 days of production, the bottom-hole flowing
pressures of the low-permeability, base-case, and high-permeability scenarios were
approximately 98 bar, 88 bar, and 81 bar, respectively. This indicates that under
the condition of a constant CO₂ injection rate of 5,000 sm3/day, increasing the streak
permeability can reduce the flow resistance of CO₂, thereby lowering the bottom-hole
flowing pressure required to maintain the same injection rate.

Figure 15. Bottom-hole flowing pressure curves of the injection well under different
streak-permeability scenarios.

Figure 16 shows that gas production remained near 250 sm3/day in all
streak-permeability scenarios during the first 800 days before increasing rapidly
at different times. The gas production rates of the high-permeability, base-case,
and low-permeability scenarios began to increase significantly after approximately
900 days, 1,000 days, and 1,100 days, respectively, indicating that a higher streak
permeability resulted in faster CO₂ migration along the preferential flow path between
the wells and earlier gas breakthrough at the production well. At the end of production,
the gas production rates of all scenarios approached 6,000 sm3/day; however, the
high-permeability scenario exhibited a more pronounced early gas breakthrough
characteristic during the middle production stage.

Figure 16. Gas production rate variation curves under different streak-permeability scenarios.
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Figure 17 presents the gas saturation distribution in the first reservoir layer for
different streak-permeability multiplier scenarios at 1,200 days and 1,880 days of
production. At 1,200 days, the gas front in the low-permeability scenario remained
far from the production well, whereas higher permeability extended the gas-bearing
region along the high-permeability streak and brought the front close to the production
well. By 1,880 days, all gas-bearing regions had expanded, with a more pronounced
high-gas-saturation channel between the wells in the high-permeability scenario. The
results indicate that increasing the streak permeability strengthens the preferential flow
path effect, accelerates the directional migration of CO₂, and simultaneously reduces
the uniformity of the displacement front. This trend is consistent with Luo et al. [35],
who reported that permeability heterogeneity alters CO₂-front morphology, sweep
efficiency, and breakthrough time; the present comparison further isolates the effect
of a connected high-permeability pathway by varying only its permeability multiplier.

(a) 5 times permeability, 1,200 d. (b) 5 times permeability, 1,880 d.

(c) Base case model, 1,200 d. (d) Base case model, 1,880 d.

(e) 20 times permeability, 1,200 d. (f) 20 times permeability, 1,880 d.

Figure 17. Gas saturation distribution in the first reservoir layer under different streak-
permeability scenarios.
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A comprehensive analysis indicates that the streak-permeability multiplier has a
significant influence on injection pressure, CO₂ propagation rate, and gas breakthrough
behavior at the production well. When the streak permeability increased from 5 times
to 20 times that of the surrounding reservoir, the bottom-hole flowing pressure of
the injection well at the end of production decreased by approximately 17 bar, and
the time when the gas production rate of the production well increased significantly
was advanced by approximately 200 days. A higher streak permeability improves
the CO₂ injection and migration capacity, but it also strengthens the preferential flow
path between the wells, increasing the risk of premature gas breakthrough and uneven
sweep. Because the high-permeability channel was represented as a straight and
vertically continuous pathway, the simulated advancement of gas breakthrough may be
greater than that in reservoirs containing discontinuous or tortuous high-permeability
features. Therefore, the quantitative results should not be directly generalized to all
heterogeneous reservoirs.

4.5. CO₂ storage performance
CO₂ storage performance was evaluated using net reservoir retention together with

the free-gas and oil-phase composition distributions. Because explicit structural closure
and hysteretic residual trapping were not included in the present model, structural and
residual trapping were not quantified separately. Table 7 summarizes the cumulative
CO₂ injection, cumulative CO₂ production, stored CO₂, and storage efficiency under
different simulation scenarios.

Table 7. CO₂ storage performance under different simulation scenarios.

Simulation scenario
Cumulative CO₂ injection

(103 sm3)
Cumulative CO₂ production

(103 sm3)
Stored CO₂
(103 sm3)

Storage
efficiency

Base case 9,400 3,443.270 5,956.730 63.369%
Injection rate: 8,000 sm3/day 15,040 4,041.870 10,998.130 73.126%
Injection rate: 10,000 sm3/day 18,800 4,530.530 14,269.470 75.901%

Liquid production rate: 20 sm3/day 9,400 715.354 8,684.646 92.390%
Liquid production rate: 40 sm3/day 9,400 7,624.470 1,775.530 18.889%

Porosity: 0.8 × base value 9,400 6,006.590 3,393.410 36.100%
Porosity: 1.2 × base value 9,400 2,105.840 7,294.160 77.597%

Streak permeability: 5 × matrix permeability 9,400 2,522.880 6,877.120 73.161%
Streak permeability: 20 × matrix permeability 9,400 4,171.810 5,228.190 55.619%

Table 7 summarizes the cumulative CO₂ injection, cumulative CO₂ production,
stored CO₂, and storage efficiency under different simulation scenarios. In the base
case, the cumulative stored CO₂ was 5,956.730 × 103 sm3, corresponding to a storage
efficiency of 63.369%. As the injection rate increased from 5,000 sm3/day to 8,000
sm3/day and 10,000 sm3/day, the cumulative stored CO₂ increased to 10,998.130 × 103

sm3 and 14,269.470 × 103 sm3, respectively, while the storage efficiency increased
to 73.126% and 75.901%. Although cumulative CO₂ production also increased, its
increase was smaller than that of cumulative injection, resulting in greater net CO₂
retention within the simulated period.

Under the same cumulative CO₂ injection of 9,400 × 103 sm3, storage performance
was strongly affected by the liquid production rate, reservoir porosity, and streak
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permeability. Decreasing the liquid production rate to 20 sm3/day reduced cumulative
CO₂ production to 715.354 × 103 sm3 and increased the storage efficiency to 92.390%,
whereas increasing the liquid production rate to 40 sm3/day reduced the storage
efficiency to 18.889%. Increasing the reservoir porosity from 0.8 times to 1.2
times the base value increased the storage efficiency from 36.100% to 77.597%,
indicating that greater pore volume enhanced CO₂ retention. In contrast, increasing
the streak permeability from 5 times to 20 times the matrix permeability reduced the
storage efficiency from 73.161% to 55.619%, because the stronger preferential-flow
pathway increased CO₂ production from the production well. Overall, lower liquid
production rates, larger reservoir porosity, and weaker high-permeability channeling
were favorable for improving CO₂ retention during the simulated period.

5. Case 3: Analysis of wellbore-reservoir coupled response under
fixed tubing-head-pressure control mode

5.1. Model setup and control strategy
In this case, only the control strategy of the injection and production wells

was changed based on Case 1. The injection well was operated under fixed tubing-
head-pressure control, with the tubing-head pressure set to 140 bar. The production
well was also operated under fixed tubing-head-pressure control, with the tubing-head
pressure set to 90 bar. The simulation period was 430 days, with a time step of 5 days.
Under this control mode, the model characterized the wellbore pressure drop using VFP
tables. The bottom-hole flowing pressures of the injection and production wells were
obtained through interpolation based on the tubing-head pressure, well flow rate, and
fluid state within the wellbore, and were coupled with the reservoir flow equations to
solve for the actual CO₂ injection rate and liquid production rate.

5.2. Injection well response under fixed tubing-head-pressure control
Figure 18 presents the bottom-hole flowing pressure curve of the injection well

under fixed tubing-head-pressure control, and Figure 19 presents the CO₂ injection
rate curve of the injection well under fixed tubing-head-pressure control. As shown in
Figures 18 and 19, with the tubing-head pressure of the injection well maintained at 140
bar, the bottom-hole flowing pressure of the injection well remained at approximately
174 bar overall. This is because the injected fluid in the wellbore was pure CO₂
gas, and the wellbore pressure-drop relationship changed insignificantly; therefore,
the bottom-hole injection pressure obtained from the VFP table remained relatively
stable. Compared with the variation in bottom-hole flowing pressure, the dynamic
characteristics of the actual injection rate were more pronounced. During the early
production stage, the injection rate fluctuated slightly around 26 × 103 sm3/day and
then remained relatively stable from approximately 50 to 300 days, indicating that the
CO₂ injectivity of the reservoir changed only slightly during this period. After 300
days, the CO₂ injection rate increased continuously and reached approximately 45 ×
103 sm3/day at 430 days. Because the tubing-head pressure and bottom-hole injection
pressure remained nearly constant, this increase primarily reflects the evolution of
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reservoir injectivity. As CO₂ accumulated around the injection well, the gas relative
permeability and total fluidmobility in the near-well region increased, allowing a higher
injection rate to be sustained under approximately unchanged pressure conditions.

Figure 18. Bottom-hole flowing pressure curve of the injection well under fixed tubing-
head-pressure control.

Figure 19. Injection rate curve of the injection well under fixed tubing-head-pressure control.

5.3. Production well response under fixed tubing-head-pressure control
Figure 20 presents the bottom-hole flowing pressure curve of the production well

under fixed tubing-head-pressure control. As shown in Figure 20, with the tubing-head
pressure of the production well maintained at 90 bar, the bottom-hole flowing pressure
of the production well remained approximately 157 bar during the early production
stage, indicating that the fluid state within the wellbore and the wellbore pressure-drop
relationship were relatively stable at the initial production stage. After 250 days of
production, the bottom-hole flowing pressure began to decrease gradually, and the
declining trend became more apparent after 300 days, reaching approximately 145 bar
at around 430 days of production. This variation was mainly related to changes in the
composition of produced fluids and the multiphase flow behavior within the wellbore
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during the later production stage. As CO₂ gradually migrated toward the production
well, the produced gas rate increased significantly, resulting in changes in the gas–liquid
ratio, mixture density, liquid holdup, and frictional pressure loss within the wellbore. In
this case, the reduction in gravitational pressure loss caused by the decrease in mixture
density dominated the overall pressure variation. Therefore, under the condition of
constant tubing-head pressure, the bottom-hole flowing pressure of the production well
obtained from the VFP table exhibited an overall decreasing trend.

Figure 20. Bottom-hole flowing pressure curve of the production well under fixed tubing-
head-pressure control.

Figure 21 presents the liquid production rate curve of the production well, and
Figure 22 presents the gas production rate curve of the production well. As shown
in Figures 21 and 22, the gas production rate remained relatively low during the
early production stage, maintaining approximately 0.8 × 103 sm3/day, while the liquid
production rate rapidly increased from approximately 78 sm3/day at the initial stage to
approximately 100 sm3/day and then remained relatively stable during the early and
middle production stages. After 300 days, both the gas and liquid production rates
increased markedly. At 430 days, the gas production rate reached approximately 22 ×
103 sm3/day and the liquid production rate reached approximately 154 sm3/day. The
increase in liquid production rate should not be attributed solely to enhanced gas-phase
mobility. As the produced gas–liquid ratio increased, the mixture density, liquid holdup,
and pressure loss in the production well changed, causing the bottom-hole flowing
pressure converted from the fixed tubing-head pressure to decrease from approximately
157 bar to 145 bar. The resulting increase in reservoir drawdown, together with changes
in near-well fluid mobility following CO₂ arrival, produced the observed increase in
liquid production rate.

Gas relative permeability directly affects gas-phase mobility and consequently
influences the pressure and rate responses of the injection and production wells under
fixed tubing-head-pressure control. Therefore, two additional sensitivity cases were
established based on Case 3. The gas relative permeability values were set to 0.8
and 1.2 times those of the reference case, respectively, while the saturation nodes, oil
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relative permeability, reservoir properties, fluid model, wellbore model, and operating
conditions were kept unchanged.

Figure 21. Liquid production rate curve of the production well under fixed tubing-head-
pressure control.

Figure 22. Gas production rate curve of the production well under fixed tubing-head-pressure
control.

As shown in Figure 23, the late-time increases in the injection and production
rates occurred earlier and became more pronounced as gas relative permeability
increased. At 430 days, the CO₂ injection rates in the high-, reference-, and low-
gas-relative-permeability cases were approximately 53 × 103, 45 × 103, and 35 × 103

sm3/day, respectively, and the corresponding gas production rates were approximately
29 × 103, 22 × 103, and 12 × 103 sm3/day. These differences indicate that a higher gas
relative permeability increases the effective gas mobility in the reservoir, allowing a
higher CO₂ injection rate to be maintained under the same injection-well tubing-head
pressure and producing an earlier and stronger gas response at the production well.
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(a) CO₂ injection rate. (b) Gas production rate.

(c) Liquid production rate. (d) Production-well bottom-hole flowing pressure.

Figure 23. Sensitivity of well responses to gas relative permeability under fixed tubing-
head-pressure control.

At 430 days, the liquid production rates in the high-, reference-, and low-
gas-relative-permeability cases were approximately 157, 154, and 123 sm3/day,
respectively, while the corresponding production-well bottom-hole flowing pressures
were approximately 139, 145, and 151 bar. With increasing gas production, the
produced gas–liquid ratio and the multiphase pressure loss represented by the VFP
relationship changed. Under the fixed production-well tubing-head pressure, these
changes resulted in a lower bottom-hole flowing pressure and a larger reservoir
drawdown, thereby contributing to the increase in liquid production rate. Although the
magnitudes and onset times of the well responses varied with gas relative permeability,
all three cases exhibited increasing injection and production rates during the late
production stage, demonstrating the sensitivity of the coupled wellbore-reservoir
response to gas-phase mobility.

5.4. CO₂ migration and gas saturation field evolution
Figure 24 presents the gas saturation distribution in the first reservoir layer under

fixed tubing-head-pressure control. As shown in Figure 24, at 300 days of production,
CO₂wasmainly distributed around the injectionwell and along the direction connecting
the injection and production wells. The high gas saturation region propagated from
the injection well toward the production well but had not yet reached the vicinity of
the production well, indicating that CO₂ was still in the stage of outward expansion
and preferential flow path propagation during this period. At 430 days of production,
the gas-bearing region further expanded, and the gas front had reached the production
well along the direction between the injection and production wells. A relatively
distinct continuous high gas saturation channel was formed between the injection and
production wells.
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(a) 300 d. (b) 430 d.

Figure 24. Gas saturation distribution in the first reservoir layer under fixed tubing-head-
pressure control.

5.5. CO₂ storage performance under fixed tubing-head-pressure control
Table 8 summarizes the CO₂ storage performance under fixed tubing-head-

pressure control.

Table 8. CO₂ storage performance under fixed tubing-head-pressure control.

Simulation scenario
Cumulative CO₂ injection

(103 sm3)
Cumulative CO₂ production

(103 sm3)
Stored CO₂ (103 sm3) Storage efficiency

Fixed tubing-head pressure 12,211.700 1,466.410 10,745.290 87.992%

Under fixed tubing-head-pressure control, the actual CO₂ injection and production
rates varied dynamically with wellbore pressure losses and reservoir injectivity and
deliverability. At 430 days, the cumulative CO₂ injection reached 12,211.700 × 103 sm3,
whereas the cumulative CO₂ production was 1,466.410 × 103 sm3. The corresponding
stored CO₂ amount was 10,745.290 × 103 sm3, resulting in a storage efficiency of
87.992%. Thus, only 12.008% of the injected CO₂ was produced during the simulated
period, while the majority remained in the reservoir. These results indicate that the
fixed tubing-head-pressure case maintained a relatively high CO₂ retention efficiency
over the 430-day simulation period despite the increase in gas production during the
late stage.

5.6. Comparison with the constant injection and production rate mode
Compared with the constant liquid production rate mode, the response of the

production well under fixed tubing-head-pressure control can more directly reflect
the coupled relationship among wellbore flow, bottom-hole boundary conditions, and
reservoir dynamics. Under the constant liquid production rate mode, the liquid
production rate of the production well is predetermined by the control condition, and
the effects of reservoir fluid supply capacity variation and CO₂ breakthrough are mainly
reflected through the decline in bottom-hole flowing pressure and the increase in gas
production rate. In contrast, under the fixed tubing-head-pressure control mode, the
tubing-head pressure of the production well remains constant, while the bottom-hole
flowing pressure, liquid production rate, and gas production rate dynamically vary
with reservoir pressure, fluid composition, and wellbore pressure-drop conditions.
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Before CO₂ significantly affects the production well, the liquid production rate remains
relatively stable. As CO₂ migrates along the high-permeability channel toward the
vicinity of the production well, the gas-phase flow capacity increases, the fluid
composition and multiphase flow behavior within the wellbore change, and the gas
production rate of the production well increases rapidly, accompanied by an increase
in liquid production rate. Therefore, fixed tubing-head-pressure control can reveal the
coupled variations between the actual production capacity of the production well and
wellbore pressure response before and after CO₂ breakthrough, making it more suitable
for evaluating production performance evolution and gas channeling effects during CO₂
flooding development under tubing-head pressure conditions.

6. Conclusions

Conventional CO₂ flooding simulations often simplify wellbore flow, tubing-
head-to-downhole pressure conversion, and CO₂ migration through high-permeability
channels. This study developed a coupled wellbore-reservoir model in tNavigator by
integrating the Peng-Robinson equation of state, Beggs-Brill-based VFP tables, and
the adaptive implicit method. Constant-rate and fixed tubing-head-pressure cases were
simulated to evaluate the effects of injection and production rates, porosity, and streak
permeability on CO₂ migration, gas breakthrough, and storage.

Under constant-rate control, injection-production intensity governed the inter-well
pressure difference and gas breakthrough. Higher rates accelerated preferential CO₂
migration, whereas greater porosity improved pressure buffering and storage capacity.
Increasing streak permeability reduced injection resistance but promoted earlier gas
channeling. Joint interpretation of gas saturation and XMFCO₂ distributions showed
that higher injection rates enhanced oil-phase CO₂ enrichment without proportionally
expanding the free-gas footprint in the first layer.

Under fixed tubing-head-pressure control, injection and production rates were
jointly controlled by VFP characteristics, wellbore pressure losses, and reservoir
injectivity and deliverability. Changes in near-well gas mobility and produced
gas-liquid ratio affected the injection rate, bottom-hole flowing pressure, and
production performance. Across the constant-rate cases, CO₂ storage efficiency ranged
from 18.889% to 92.390%. At 430 days under fixed tubing-head-pressure control,
cumulative stored CO₂ reached 10,745.290 × 103 sm3, corresponding to a storage
efficiency of 87.992%, with only 12.008% of the injected CO₂ produced.

These results demonstrate that tubing-head pressure constraints, wellbore pressure
conversion, reservoir properties, and preferential-flow pathways should be considered
jointly to balance flooding performance, CO₂ retention, and gas-channeling risk.
Future work will validate and calibrate the model using field pressure, production,
fluid-composition, and gas-breakthrough data.
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